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Abstract 
Synthetic gasoline may be produced from coal-derived synthesis gas via the methanol-to-gasoline (MTG) process of 
ExxonMobil. The combination of commercial syngas-to-methanol technology with the MTG process thus provides a ready 
synthetic route for liquid hydrocarbon fuels. An alternative process has been proposed for gasoline from coal that would involve 
producing dimethyl ether (DME) directly from coal-derived syngas in a liquid-phase synthesis reactor and then converting the 
DME to gasoline. This paper presents energy and carbon balances and cost estimates based on detailed Aspen Plus process 
simulations for five plant designs to co-produce gasoline and electricity from coal via a DME-to-gasoline (DTG) process. 
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1. Introduction 
For China, with abundant domestic coal resources but limited oil and gas resources, the conversion of coal into 
liquid fuels helps to solve the challenges of rapidly growing demand for transportation fuels and security of liquid 
fuels supply.1  Liu, et al.2 have analyzed the performance and cost of coal gasification based gasoline production 
systems with CO2 capture and using the methanol-to-gasoline (MTG) process3 of ExxonMobil. MTG is a two-step 
process in which synthesis gas is first converted to methanol in a fixed-bed reactor over a copper-based 
 
 
* Corresponding author. Tel.: 86-10-61772472; fax: 86-10-61772472. 
E-mail address: liugj@ncepu.edu.cn 
 14 The Authors. Published by Elsevier Ltd. This is an open access article under the CC BY-NC-ND license 
(http://creativecommons.org/licenses/by-nc-nd/3.0/).
Peer-review under responsibility of the Organizing Committee of GHGT-12
7368   Guangjian Liu and Eric D. Larson /  Energy Procedia  63 ( 2014 )  7367 – 7378 
hydrogenation catalyst. The second step, in a separate reactor, is methanol conversion by initial dehydration to 
dimethyl ether (DME) in a fixed-bed reactor. And finally, the product of this reactor is converted over a ZSM-5 
catalyst in a third reactor to gasoline.
Alternative process designs have been proposed that involve producing directly from coal syngas the raw DME 
needed for the gasoline reactor.  These processes would use a single fluidized-bed or liquid-phase synthesis reactor 
in lieu of separate methanol synthesis and dehydration reactors.4,5 This process, which we refer to as DME-to-
gasoline (DTG), has two key features that distinguish it from the MTG process. First, the single step DME synthesis 
requires a syngas with an input H2/CO ratio of 1, compared to a value of 2 for methanol synthesis. As a result less 
water gas shift conditioning after gasification is required in the DTG case. Second, the one-pass CO conversion in 
the single-step DME reactor is higher than for methanol synthesis.6 As a result, reasonable liquids yields can be 
achieved without recycling of unconverted syngas.  Such a design is well-suited thermodynamically to make an 
electricity co-product that can improve overall economics in many cases.7 Coal gasification based synthetic liquid 
fuels and electricity co-production have been the focus of earlier analyses, 1,2 and benefits that have been identified 
include higher energy efficiency compared with standalone systems,7,8 lower CO2 capture cost when CO2 capture 
and storage are part of the process design,9,10 and better economic performance.7,10 
This paper presents a detailed comparative technical and economic assessment of the production of synthetic 
gasoline from coal based on DTG processes, without and with capture and storage of byproduct CO2, and with 
substantial electricity coproduction in some cases. Five process designs are developed and mass/energy balances are 
simulated in detail as a basis for estimates of full fuel-cycle GHG emissions and equipment capital and operating 
costs. Overall economics are evaluated under alternative oil price and GHG emissions price assumptions. 
2. Process designs 
Illinois No. 6 bituminous coal is gasified in a pressurized entrained flow gasifier (based on a GE Energy total 
water quench gasifier design). In the lower section of the gasifier, the raw synthesis gas is cooled, scrubbed and 
passed through a single-stage (adiabatic) sour water gas shift (WGS) reactor to achieve the optimum H2/CO molar 
ratio of 1.0 for DME synthesis. A methanol-based acid gas removal (AGR) system (with characteristics of the 
commercial Rectisol process) removes H2S to ppb levels to protect downstream catalysts. The CO2 is also removed 
to improve DME yield and economics. The removed CO2 is essentially pure, so that it is a relatively simple matter to 
compress it for underground storage, which is included in some of the designs here. 
Following the AGR, the syngas is heated and delivered to a liquid-phase DME synthesis reactor operated at 62 
bar and 260oC. The reactions that occur over a dual catalyst there include methanol formation (Eqn. 1), methanol 
dehydration to form DME and water (Eqn. 2), and the water-gas shift reaction (Eqn.3).  The resulting overall 
reaction is shown as Eqn. 4. 
CO + 2H2ļ CH3OH ǻHo = í90.6 kJ/mol  Eqn. 1 
2CH3OH ļ CH3OCH3 + H2O ǻHo = í23.4 kJ/mol Eqn. 2 
CO + H2O ļ CO2 + H2 ǻHo = í41.2 kJ/mol Eqn. 3 
3CO + 3H2 ļ CH3OCH3 + CO2 ǻHo =í256.6 kJ/mol Eqn. 4 
The removal of some methanol (via Eqn. 2) as it forms provides a synergistic effect that enables higher syngas 
conversion per pass compared to the synthesis of methanol alone. In our simulations 55% of the carbon entering the 
reactor as CO is converted into raw DME product in a single pass. This is consistent with results of Yagi. et al.11 The 
synthesis product is cooled to separate the raw DME liquid from unconverted syngas.  
The liquid product is heated to 300oC and sent to an adiabatic gasoline synthesis reactor. The raw hydrocarbon 
products are cooled and then the light gases, water, and hydrocarbon liquids are separated by flashing. A large 
recycle of light gases to the adiabatic gasoline synthesis reactor is used to limit outlet temperature to 420oC. This 
synthesis process yields 21.9% light gases and 78.1% liquid hydrocarbons.12 The latter are sent for finishing, where 
one prominent component, durene (1,2,4,5-tetramethyl-benzene), is subjected to isomerisation, disproportionation 
and demethylation in the presence of hydrogen to convert it to isodurene. This eliminates potential carburetor icing 
issues when the gasoline is used in an engine. The hydrogen is supplied by feeding a portion of the unconverted 
syngas from the DME reactor to a pressure swing adsorption (PSA) unit, the tail gas from which is recompressed to 
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rejoin the remaining unconverted syngas. The products leaving the fuels synthesis area are a high-octane gasoline, 
LPG, and light gases. The gasoline and LPG are sold, and the light gases become part of the fuel stream for the 
power island. Additional power island fuel is provided by a purge stream from the fuels synthesis area. 
In plants designed to maximize liquid fuels production (Figure 1), designated here by acronyms starting “CTG-
RC”, about 95% of the unconverted syngas is passed to a Rectisol CO2 absorption column to remove most of the 
CO2 generated in the DME reactor. The CO2-depleted gas is then compressed and recycled to increase overall CO 
conversion. The remaining 5% is a purge stream that goes to help fuel the power island consisting of a boiler/steam-
turbine cycle. Less than 40% of the energy input to the steam cycle comes from purge gases. Over 60% is lower-
grade process heat recovered from upstream areas. 
We refer to the process design that maximizes liquid fuels production while venting CO2 as CTG-RC-V. For the 
design with CCS, the acronym is CTG-RC-CCS. Both are shown in Figure 1. Note that the dilute CO2 stream from 
the power island is not captured in the CTG-RC-CCS case, since this would require a chemical absorption unit that 
would severely penalize overall plant efficiency and capital cost. For designs with CCS, the captured CO2 is 
compressed to 150 bar for pipeline transport and injection in deep saline aquifer for permanent storage. 
 
Figure 1. CTG-RC-V and CTG-RC-CCS process configurations. The process layouts for the two plant designs are identical except for the 
disposition of the concentrated CO2 streams. A small stream of unconverted syngas (not shown) following DME synthesis is used to produce the 
hydrogen required in the refining area. 
In plant designs with electricity as a major coproduct, here called “once-through” (CTG-OT) configurations 
(Figure 2), the syngas passes only once through the DME synthesis reactor, and all of the unconverted syngas plus 
light gases and purge gas from gasoline refining are compressed and supplied to the power island. About 70% of the 
energy input to the power island is fuel gas and the rest is waste heat. A gas turbine/steam turbine combined cycle is 
a better thermodynamic option for the power island in the CTG-OT designs. The amount of CO2 available in the 
power island exhaust is substantial (equivalent to 40% of input C, compared with 19% of C in the CTG-RC designs).  
In the CTG-OT designs with CCS, we develop two configurations for capturing some of this CO2, in addition to 
the more-readily captured CO2 from the AGR unit upstream of DME synthesis.  
In the CTG-OT-CCS design (Figure 2a), CO2 generated in the DME reactor is removed from the unconverted 
syngas by passing it through a Rectisol absorption column (sharing a solvent regeneration column with the upstream 
AGR unit) before sending the CO2-depleted gas to the power island. The second design, CTG-OTA-CCS (Figure 
2b), involves more aggressive downstream CO2 removal by introducing a two-stage water gas shift (WGS) that 
shifts CO in the unconverted syngas to form additional CO2 that is captured at the downstream Rectisol column. In 
the CTG-OTA-CCS design, 85% of carbon that enters the plant as coal and does not leave as liquids is captured as 
CO2.
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(a) 
 (b)
Figure 2. OT configurations for coproduction of liquid fuels and electricity from coal with CCS: (a) CTG-OT-CCS (simple CCS); (b) CTG-OTA-
CCS (aggressive CCS). 
3. Results and discussion 
We have developed detailed mass, energy, and carbon balance simulations using Aspen Plus® software. Most of 
the important process design parameter assumptions are the same as used by Liu, et al.2 For the one-step DME 
synthesis, we predict the DME production and purge gas composition from Eqns. 1 to 3, assuming chemical 
equilibrium. However, to take kinetic effects into account and better match experimental results, the equilibrium of 
the DME synthesis reaction has been calculated at 70oC higher (approach temperature) than the reaction 
temperature.5,13 We further assume that the distribution of liquid hydrocarbons leaving the gasoline synthesis reactor 
is the same as when separate methanol synthesis and dehydration reactors are used to produce the feed.14,15  Table 1 
and Table 2 summarize our process simulation results. 
For coal only plants using syngas recycle (CTG-RC-V and CTG-RC-CCS), the coal-input rate was fixed at 
21,723 tonnes per day (as-received) to achieve a synthetic gasoline output of 50,000 barrels per day (petroleum-
gasoline equivalent energy). To facilitate meaningful comparisons, this coal input rate was retained also for the coal-
only designs using once-through synthesis (CTG-OT-V, CTG-OT-CCS, CTG-OTA-CCS). The resulting liquids 
production for these latter two plants is about Ҁ of that for the CTG-RC plants. 
To facilitate comparisons of greenhouse gas emissions mitigation among systems that produce multiple products, 
we adopt the Greenhouse Gas Emissions Index (GHGI), defined as the lifecycle GHG (LGHG) emissions for the 
system divided by the LGHG emissions associated with production and use of an energy-equivalent amount of fossil 
fuel-derived products displaced (LHV basis).7 We assume the latter are petroleum-derived liquid fuels and electricity 
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generated by a new supercritical pulverized coal plant that vents CO2 (PC-V). See Table 1, note (b) for details. The 
GHGI metric is useful because it does not require any allocation of emissions to different products. 
Several observations follow from Table 1 and Table 2: 
z The CTG-RC designs provide the highest overall energy efficiency, with the CTG-RC-CCS design incurring 
only a small penalty for CO2 compression. The CTG-OT designs are less efficient than their CTG-RC 
counterparts largely due to the intrinsically lower efficiency of converting syngas into electricity than into 
liquids. 
z The GHGI for the CTG-RC-V design is 1.9, indicating that its carbon footprint is nearly double that of stand-
alone plants that would produce the same amounts of liquid fuel and electricity from crude oil and coal, 
respectively. About 1/3 of the carbon input as coal in the CTG-RC-CCS design is captured and compressed for 
storage. This results in a much lower GHGI (1.3) than for the CTG-RC-V design, but a carbon footprint still 
larger than for the fossil fuels that would be displaced by the products. 
Table 1. Performance simulation results. 
Coal input rate CTG-RC-V
CTG-RC-
CCS 
CTG-OT-
V
CTG-OT-
CCS 
CTG-OTA-
CCS 
As-received, metric t/day 21,723 21,723 21,723 21,723  21,723  
Coal, MW HHV 6,817 6,817 6,817 6,817  6,817  
Liquid  Production Capacities   
LPG, MW LHV 359 359 236 236  236  
Gasoline, MW LHV 2,913 2,913 1,919 1,919  1,919  
bbl/day crude oil products displaced (excl. LPG) 50,000 50,000 32,945 32,945  32,945  
Electricity   
Gross production, MW 586 586 1549 1550  1480  
On-site consumption, MW 513 575 473 594  637  
Net export to grid, MW 74 11 1076 956  844  
ENERGY RATIOS   
Liquid fuels out /Energy in (HHV )  51.5% 51.5% 34.0% 34.0% 34.0% 
Net electricity/Energy in (HHV) 1.1% 0.2% 15.8% 14.0% 12.4% 
Total Energy Ratio 52.6% 51.7% 49.7% 48.0% 46.3% 
Electricity fraction of products (EF) 2.2% 0.3% 33.3% 30.7% 28.1% 
Marginal Electricity Generation Eff. (MEGE)a 44.2% 40.8% 36.0% 
CARBON ACCOUNTING   
C input as feedstock, kgC/sec 160.27 160.27 160.27 160.27  160.27  
C stored as CO2, % of feedstock C 0.0% 32.6% 0.0% 38.3% 62.3% 
C in char (unburned), % of feedstock C 4.0% 4.0% 4.0% 4.0% 4.0% 
C vented to atmosphere, % of feedstock C 55.9% 23.3% 69.6% 31.2% 7.3% 
C in liquid fuels, % of feedstock C  40.1% 40.1% 26.4% 26.4% 26.4% 
C stored, 106 tCO2/yr (90% capacity factor) 0.0 5.4 0.0 6.4  10.4  
Net lifecycle GHG emissions  
Fuel-cycle for liquids, kgCO2eq/GJ LHV 201.6 136.6 285.6 170.7  99.6  
Relative to crude oil products displaced 2.2 1.5 3.1 1.9  1.1  
Greenhouse Gas emission index (GHGI)b 1.88 1.33 1.33 0.88  0.57  
All emissions charged to liquid fuels  
        kgCO2eq/GJ liquid fuels LHV  202.5 136.8 307.1 189.8  116.4  
aThe marginal electricity generating efficiency (MEGE) is defined as the ratio of A to B, where A is the difference in net 
electricity output between a “OT” plant design (e.g., CTG-OT-CCS) and the corresponding “RC” design (CTG-RC-CCS) 
when both plants are scaled to the same liquid fuels output, and B is the difference in feedstock energy input between the two 
scaled designs. 
bThe Greenhouse Gas Emissions Index is defined as the lifecycle GHG emissions associated with a particular plant divided by 
the lifecycle GHG emissions associated with the fossil fuel-derived products displaced by the fuels and electricity produced by 
the process. Assumed emissions for the fossil-fuel products displaced are 90.6 kgCO2eq/GJLHV for petroleum-derived 
gasoline16 and our estimate of 86.1 kgCO2eq/GJLHV for petroleum-derived LPG16. Additionally, for electricity we assume 827 
kgCO2eq/MWh16,17)
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Table 2.Electricity balances. 
  CTG-RC-V CTG-RC-CCS CTG-OT-V CTG-OT-CCS CTG-OTA-CCS 
Gross Output (MWe) 586 586 1,549 1,550 1,480 
Gas turbine 0 0 703 720 668 
Steam turbine 562 562 821 810 791 
Expandera 24 24 25 21 21 
Onsite Consumption (MWe) 513 575 473 594 637 
Grind, Feed 19 19 19 19 19 
Air separation unit 259 259 259 259 259 
AGR 34 34 23 32 41 
Recycle compressor 65 65 0 0 0 
Methanol synthesis island 15 15 9 9 9 
MTG synthesis and finishing 112 112 74 74 74 
CO2 compresssor 0 63 0 74 120 
N2 compressorb 0 0 46 84 70 
Balance of plant 8 8 43 43 46 
SUM 513 575 473 594 637 
G,[KRMGYKYGNKGJULZNKVU]KXOYRGTJGXKK^VGTJKJZUVXKYY[XKYXKW[OXKJGZZNKVU]KXOYRGTJ
H9USKULZNKTOZXUMKTVXUJ[IKJH_ZNKGOXYKVGXGZOUT[TOZOYIUSVXKYYKJLUX[YKOTZNKMGYZ[XHOTKZUIUTZXUR45^KSOYYOUTY
z The CTG-OT-V design exports over 1000 MW of electricity, giving it an electricity output fraction of 33%. 
The GHGI for the CTG-OT-V design, at 1.3, is considerably below that for the CTG-RC-V design and 
identical to that for CTG-RC-CCS. 
z In the simple CCS design (CTG-OT-CCS), the CO2 capture rate is 38% of the carbon in the coal feedstock, or 
52% of the carbon not in the liquid fuels. The corresponding GHGI is 0.9, which is lower than for the fossil 
fuels that would be displaced. In the aggressive CCS design (CTG-OTA-CCS), the CO2 capture rate is 62% of 
the carbon in the coal feedstock, or 85% of non-liquid fuels carbon. This results in a much lower GHGI (0.57), 
one that equals the GHGI for a new natural gas combined cycle plant that vents CO2 (NGCC-V). 
z In CCS plants, the electricity penalty for compressing captured CO2 varies with the extent of capture. For 
example, in CTG-RC-CCS, where all CO2 capture occurs upstream of synthesis, the penalty (relative to CTG-
RC-V) is 91 kWh per tCO2 captured, exactly the electricity required to compress the captured CO2 to 150 bar 
(Table 2). The penalties for CTG-OT-CCS (simple CCS) and CTG-OTA-CCS (aggressive CCS) are 147 and 
176 kWh/tCO2 captured, respectively. These are larger than for the RC designs due to the much larger amount 
of CO2 captured and compressed for storage and the added inefficiencies of the downstream water gas shift.  
However, the penalties for CTG-OT designs are much lower than they would be for stand-alone coal integrated 
gasifier combine cycles (CIGCC-CCS) – 239 kWh/tCO217 since a large portion of the captured CO2 in the 
CTG-OT designs must be removed regardless of whether it will be vented or stored in order to achieve a high 
conversion rate to liquid fuels in the synthesis reactor.  
z Comparing results for the CTG-OT and CTG-RC designs highlights the trade-off involved between a design 
that maximizes liquid fuels production and one that co-produces a significant amount of electricity. A useful 
comparative metric in this regard is the marginal electricity generation efficiency (MEGE), defined as the 
additional electric power generated by the OT plant relative to its counterpart RC design when both plants are 
sized to produce the same amount of gasoline divided by the additional coal consumed. The MEGE for the 
CTG-OT design is 44% with CO2 vented and 36%-41% when CO2 is captured and stored (Table 1). These 
efficiencies can be compared with electricity generating efficiencies of new stand-alone coal power plants: 39.2% 
for a supercritical pulverized coal plant venting CO2 (PC-V) to 37.5% for a CIGCC-V and from 27.2% for a 
PC-CCS to 31.0% for a CIGCC-CCS. The attractive MEGE for CTG-OT arise because of the effective 
recovery and use of process heat to boost electricity output.7 
The MEGE and overall plant efficiency change with the design electricity fraction (EF) for a CTG-OT plant. 
The EF can be varied by changing the design of the DME synthesis reactor to achieve higher or lower CO 
conversion to liquids. This is simulated by decreasing or increasing the assumed approach temperature5. 
Varying the approach temperature from 0 to 90oC yields a CO conversion per pass from 89% to 50%. Energy 
efficiency increases with decreasing EF because syngas can be converted to liquids more efficiently than to 
electricity. The MEGE also increases with decreasing EF (Figure 3, for CTG-OT-V). This can be explained in 
 Guangjian Liu and Eric D. Larson /  Energy Procedia  63 ( 2014 )  7367 – 7378 7373
part with reference to the ratio of power generated by the steam turbine bottoming cycle (Pst) in the power 
island to the total generated by the gas turbine plus steam turbine (Pgt+Pst). For a design with EF = 1.0 (i.e., a 
CIGCC-V), this ratio is about 0.65. With increasing liquids co-production (decreasing EF), Pst/(Pgt+Pst) 
increases due to the integrated recovery of process heat that allows additional steam generation and steam 
turbine output. 
 
Figure 3. Variations in system first law efficiency (EEF), Marginal Electricity Generation Efficiency (MEGE), and the ratio of steam turbine to 
steam turbine plus gas turbine power output in CTG-OT-V designs with different electricity fractions (EF). 
z Finally, it is of interest to compare performance of the CTG designs here with designs that use separate 
methanol synthesis and dehydration ahead of the gasoline synthesis.  Results for the latter have been generated 
by Liu, et al.2  Table 3 compares CTG-RC designs with and without CCS, assuming the same coal input for all 
casts.  As seen there, the DTG-based designs have higher liquid fuel output than the MTG-based designs. This 
can be attributed to a methanol-equivalent productivity for the single-step DME synthesis that is about 20% 
higher than for methanol synthesis.4,6   
Comparing DTG and MTG cases with CCS in Table 3 one sees that both designs have GHGI greater than one, 
but the MTG design is about 20% lower. This derives from the larger water gas shift required with MTG (to achieve 
a syngas H2/CO of 2 ahead of methanol synthesis).  Finally, the expectation is that capital costs would be modestly 
lower for DTG vs. MTG designs due to the reduced number of reactors in the synthesis area. Together with higher 
liquids output, this would likely lead to somewhat better economics of liquids production for DTG vs. MTG designs.  
Cost analysis for the DTG systems is presented next. 
Table 3. Comparison of two pairs of CTG-RC designs. 
 CTG-RC-V CTG-RC-CCS 
Synthesis design >>> DTG MTG DTG MTG 
Coal input, tonne/day (MW HHV) 6,817 6,817 6,817 6,817 
LPG, MW LHV 359 344 359 344 
Gasoline, MW LHV 2,913 2,792 2,913 2,792 
bbl/day crude oil products displaced (excl. LPG) 50,000 47,926 50,000 47,926 
Gross electricity production, MW 586 569 586 569 
Net electricity output, MW 74 105 11 12 
Efficiency (HHV) 52.6% 50.9% 51.7% 49.6% 
CO2 vented, tonne/hr 1182 1217 492 187 
CO2 stored, tonne/hr 0 0 690 1030 
Life cycle GHG emissions, kgCO2eq/GJLHV 203 211 137 109 
GHGI 1.88 1.92 1.33 1.07 
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4. Cost analysis 
Our process simulation results provide equipment sizing, on the basis of which we estimate installed capital costs. 
Costs are developed for each sub-unit in all major plant areas using a cost database developed from literature studies 
and discussions with industry experts.2,7 We express costs in 2012 dollars using the Chemical Engineering Plant Cost 
Index.18 Additional details of cost modeling are discussed by Liu et al.2 The detailed and consistent cost estimating 
framework makes for meaningful relative cost comparisons.  
Table 4 gives capital cost estimates for the five plants configurations described in Table 1. Each of these plants 
entails a total plant cost (TPC) in the neighborhood of $5 billion. The upstream areas of the plants – for syngas 
production and conditioning (ASU, gasification, gas cleanup) – account for about 65% of TPC in all cases. For the 
CCS cases, CO2 compression adds only modestly to the capital cost.  
Several metrics measuring financial performance are given in Table 4 using parameter assumptions shown in 
Table 5.   
Table 4. Cost estimates for plant designs considered in this paper. 
 
CTG-RC-
V
CTG-RC-
CCS 
CTG-OT-
V
CTG-OT-
CCS 
CTG-OTA-
CCS 
Plant capital costs, million 2012$ 
Air separation unit (ASU), and O2 and N2 compression 930 930 956 975 964 
Coal handling, gasification, and quench 1,566 1,566 1,566 1,566 1,566 
All water gas shift, acid gas removal, Claus/SCOT 758 758 625 679 766 
CO2 compression 0 51 0 57 85 
Methanol synthesis 617 617 330 330 330 
MTG synthesis & finishing 435 435 300 300 300 
Power island topping cycle 0 0 274 279 265 
Heat recovery and steam cycle 719 739 924 953 1,028 
Total plant cost (TPC), million 2012$ 5,024 5,095 4,975 5,138 5,303 
Specific TPC, $ per bbl/day 100,484 101,897 151,004 155,964 160,973 
Financial Metrics (calculated assuming zero GHG emissions price)
Internal Rate of Return on Equity (IRRE) 24% 23% 19% 15% 13% 
Levelized cost of gasoline (LCOG), $/GJ LHV 16.2 17.2 17.1 19.5 21.4 
Capital charges 10.1 10.3 15.2 15.7 16.2 
O&M charges 2.4 2.5 3.7 3.8 3.9 
Coal (at 2.9 $/GJHHV; 78.6 $/ton, as-received) 6.8 6.8 10.3 10.3 10.3 
CO2 emissions charge 0.0 0.0 0.0 0.0 0.0 
CO2 transportation and storage 0.0 0.4 0.0 0.7 1.0 
Co-product electricity revenue (at 58.6 $/MWh) -0.4 -0.1 -9.3 -8.3 -7.3 
Co-product LPG revenue (at 106.3$/bbl) -2.7 -2.7 -2.7 -2.7 -2.7 
LCOG, $/gallon petroleum-gasoline equiv. ($/gge) 1.9 2.1 2.1 2.3 2.6 
Breakeven oil price, $/bbl a 71.5 75.8 75.7 86.3 94.8 
Cost of avoided CO2, $/tonne - 15.1 - 21.9 24.9 
a The breakeven oil price (BEOP) is calculated assuming the LPG co-product is sold at the wholesale price of conventional LPG when the 
crude oil price equals the BEOP. The wholesale price of conventional LPG is estimated as a function of crude oil price from a regression 
correlation of wholesale propane prices and refiner crude oil acquisition costs in the U.S. propane ($/bbl) = 0.7062* Crude acquisition cost 
($/bbl) + 5.5852. 
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Table 5. Feedstock prices (2012$) and financial parameter assumptions.a 
Levelized coal price, 2021-2040 ($/GJHHV) 2.9 
Levelized natural gas price to power generators, 2021-2040 ($/GJHHV) 5.72 
Annual average capacity factor for CTG plants (%) 90 
Annual average capacity factor for power-only plants (%) 85 
Assumed economic life of energy conversion plants (years) 20 
Debt/equity ratio 55/45 
Internal rate of return on equity (for calculating levelized production costs at zero GHG emissions price) 10.2% 
Allowance for funds used during construction (AFUDC,as % of TPC] 7.16% 
Annual capital charge rate (for calculation of LCOG and LCOE at zero GHG emissions price) 0.1557 
Annual O&M costs at the conversion facility (% of TPC) 4 
20-yr levelized electricity sale price with zero GHG emission price ($ per MWh) 58.6 
Levelized crude oil price ($ per bbl) with zero GHG emissions price, 2021-2040 (2012$/barrel) 106.3 
a See Liu, et al.2 for details and sources of the values in this table. 
4.1. Economics from the perspective of a liquid fuel producer 
Since liquid fuels are the primary output or a major coproduct for each of plants analyzed here, it is of interest to 
calculate levelized costs of gasoline (LCOG, in $/GJLHV or $/gallon of gasoline), as shown in the lower part of Table 
4. For this calculation, revenues from the sale of co-product LPG and electricity are credited against the production 
cost. These are assumed to be sold, respectively, at the equivalent price to petroleum-derived LPG when the crude 
oil price is $106/bbl (Table 5) and for $58.6/MWh, the estimated levelized cost of electricity for a new baseload 
NGCC-V for the gas price, cost of equity, and other relevant parameters in Table 5.  
The capital charges within the LCOG are the most significant production cost component, followed by coal costs. 
Not surprisingly, electricity revenues are especially significant in the OT cases, but the plant designs that maximize 
liquids production (CTG-RC) offer the lowest LCOG by a small margin. 
The LCOG can also be expressed in terms of a breakeven crude oil price (BEOP), i.e., the crude oil price at which 
the synthetic gasoline would be competitive with petroleum-derived gasoline.2 Without CCS, the BEOPs are $72 to 
$76 per barrel. Adding CCS adds only about $5 per barrel in the RC case and $10 to $20 per barrel in the OT cases. 
These modest added costs for CCS are also reflected in the relatively low costs of avoided CO2, also shown in Table 
4. 
Finally, because of the high assumed value of liquid products relative to electricity, the plants that maximize 
liquids output offer the highest internal rate of return on equity (IRRE) – 23% to 24% for the CTG-RC cases when 
zero cost is assumed for GHG emissions. The CTG-RC plants both have GHGI well above 1.  Plants with GHGI 
below 1 (CTG-OT-CCS and CTG-OTA-CCS) have 8 to 10 percentage points lower IRREs.   
4.2. Coproduction plants as electricity generators 
Since electricity accounts for about 30% of the energy output from plants with OT designs (Table 1), it is relevant 
to consider these plants as electricity generators and analyze their economics in comparison with standalone 
electricity generation technologies. Levelized costs of electricity could be calculated, but because these are co-
production plants, IRRE is perhaps a more appropriate comparative metric. 
 Figure 4 shows IRRE as a function of GHG emissions price for the three coproduction plant designs, assuming 
gasoline and electricity values shown in (Table 5). For non-zero GHG emission prices, the assumed product selling 
prices include the valuation of the fuel cycle-wide GHG emissions for electricity or crude-oil derived products 
displaced. The GHG emissions for the crude oil products displaced are given in Table 1, note (b). For electricity, the 
assumed GHG emissions displaced are the estimated full lifecycle emissions for NGCC-V of 468.3 kgCO2eq/MWh. 
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This latter assumption results in a constant IRRE for NGCC-V with changing GHG emissions price, as seen in 
Figure 4. 
The IRRE for the coproduction plant venting CO2 (CTG-OT-V) is attractive at zero GHG emissions price, but 
falls dramatically with increasing GHG emissions price due to its large carbon footprint. The co-production plant 
with aggressive CCS (CTG-OTA-CCS) has the most attractive IRRE beyond a GHG emissions price of about 
$20/tCO2eq. The IRRE for this plant, which has the same GHGI as the NGCC-V plant, remains above that for the 
NGCC-V across the range of emission prices analyzed. Low-carbon stand-alone coal power plants, such as a 
pulverized coal steam plant with CCS, are not shown in Figure 4 because they would have IRRE less than zero. 
 
Figure 4. Internal rate of return on equity for several plant designs as a function of the GHG emission price. Assumed the crude oil price is 
$106.3/barrel. 
The calculations in Figure 4 assume capacity factors of 90% for the coproduction plant and 85% for the NGCC-V 
(Table 5). In reality the capacity factor for a plant will be determined largely by how it is dispatched by the grid 
operator.  The minimum dispatch cost (MDC) can be used to evaluate how a plant would perform in economic 
dispatch competition. A plant’s MDC is the minimum selling price below which the economically prudent course is 
to shut down. MDC is equal to the plant’s short run marginal cost (SRMC, i.e., operating cost, excluding capital 
amortization and fixed operation and maintenance costs). Because coproduction systems provide two revenue 
streams, in these cases the MDC ($ per MWh) = SRMC ($ per MWh) - (synthetic gasoline and LPG revenues per 
MWh). Thus the MDC will decrease with increasing oil price, since the latter determines the value of the liquid 
coproducts. 
Figure 5 shows MDC as a function of crude oil price at zero GHG emissions price for the coproduction systems 
with CCS and several stand-alone power generating systems. The latter all have GHGIs no higher than for NGCC-V.  
For crude oil prices higher than about $35 per barrel, the MDC for the coproduction plants would be less than for 
any of the stand-alone systems.  When oil is about $55 per barrel, the MDC for the coproduction cases will be 
negative. Thus, even at modest oil prices, these co-production plants should be able to defend high design capacity 
factors in economic dispatch competition against most conventional power plants. 
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Figure 5. Minimum dispatch cost (MDC) for alternative power systems. For systems with CCS, MDC includes the cost of CO2 transport to and 
storage in saline aquifers. The MDC values for the stand-alone fossil fuel plants are based on Liu, et al.2  PC = supercritical pulverized coal plant. 
CIGCC = coal integrated gasification combined cycle. NGCC = natural gas combined cycle.  
5. Conclusions   
This paper has investigated synthetic gasoline and electricity co-production from coal via single-step DME 
synthesis followed by DME conversion to gasoline (DTG). 
For plants designed to maximize liquids output, DTG-based designs produce more liquids per unit of coal input 
than designs that utilize methanol synthesis and dehydration in lieu of the single-step process, but as a result when 
CCS is included in the plant designs there is less CO2 not in the liquid product, and thus less CO2 available for 
capture. This results in a higher GHGI for the DTG design.  
The DTG systems have lower energy penalties for CO2 capture than stand-alone coal power plants with CCS 
since much of the captured CO2 must be removed for liquid fuel production process reasons regardless of whether it 
is subsequently vented or stored. 
When considered as an electricity generator, a co-production plant with an aggressive CO2 capture configuration 
would have a GHGI equal to that for a natural gas combined cycle venting CO2 and attractive economics relative to 
stand-alone fossil fuel power plants when GHG emission prices exceed about $20/tCO2eq. Such coproduction plants 
would have low minimum dispatch costs and thus would be able to defend high design capacity factors in economic 
dispatch competition. 
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